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ES.l

EXECUTIVE SUMMARY
Study Objective
• The goal of this study was to recommend a methodology for use in estimating the
economic value of impacts to power production from potential changes in operations at
Glen Canyon Dam.

Phase I of the Glen Canyon Environmental Studies (GCES) focused on the measurement
of downstream impacts of dam operations. The need for studies of the impacts of changes in
operations on the power production was identified in a letter dated June 16, 1988, from the
Assistant Secretary for Water and Science and the Assistant Secretary for Fish, Wildlife and
Parks.
The assistant secretaries stated that the lack of information on power impacts was a major
impediment to making decisions about possible changes in dam operations. Evaluation of
power impacts took on even more importance when Interior Secretary Lujan decided, in 1989,
that Glen Canyon Dam operations should be subjected to a formal analysis under the National
Environmental Policy Act (NEPA) so that an environmental impact statement could be
prepared. NEPA explicitly requires that alternatives be explored and their economic
implications be analyzed.
Methods
This study was designed to investigate which power valuation method would best analyze,
for larger power systems, alternatives identified by ongoing GCES research and the NEPA
process.
• Three power valuation methods were compared in this study.
1.

A version of the alternative thermal plant method (ATP), conducted by
Western Area Power Administration (Western);

2.

a production cost model (Elfin), conducted by the Environmental Defense
Fund (EOF); and

3.

a generation expansion model (EGEAS), conducted by Stone & Webster
Management Consultants, Inc.

Hypothetical System
• These three methods were evaluated by applying them to a hypothetical power system
that consisted of three interconnected utilities. The three hypothetical utilities were
constructed to represent a variety of attributes of Salt Lake City Area Integrated
Projects (SLCA/IP) customers, including seasonal peaks, system sizes, and degree of
dependence on SLCA/IP power.

The decision to model a hypothetical system rather than attempting to model actual CRSP
customers was made in the interest of simplicity. Constructing a data base using actual utilities'
day-to-day operations as input was considered to be too complex. It was thought that the
additional complexly of modeling an actual system was not crucial to evaluating model
performance. Instead, a simplified hypothetical system which represented a variety of attributes
of SLCA/IP firm power customers was constructed. To the greatest extent possible, all
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methodologies assumed identical assumptions and data inputs. Common assumptions and
inputs included descriptions of existing thermal and hydro resources, future resources, load, fuel
prices, discount rates, escalation rates, and price at which utilities would buy and sell power
from each other.
Evaluation Criteria
• All three methods were evaluated for:
1. their ability to model power system parameters (different system sizes, different
utility sizes, loads, and changes in fuel costs, inflation, and interest rates);
2. their implementation considerations (level of detail required to use the method,
cost of using the method, accuracy of the method); and
3. their flexibility in handling change cases.
Ideally, the methodology selected should be sufficiently flexible to handle impacts to
utilities of various sizes, be able to handle a variety of potential restrictions on operations
including minimum releases, maximum releases, and restrictions on ramp rates (the rate at
which the discharge from the generators changes). In addition, the methodology should be
credible in terms of both its technical merits and its acceptability to various constituent groups
who will review the output from the methodology during the Glen Canyon Dam Environmental
Impact Assessment process.
Description of Potential Changes in Dam Operations
• Two points of view, that changes in operations should be described in terms of changes
in contract rates of delivery (CROD) or change in patterns of CRSP generation
including purchases and sales, were accommodated in this study. When based on
CRODs, the impact of an unspecified change in operations was arbitrarily described as
a decrease of 10 percent in the CRSP capacity and energy allocation to each of the
hypothetical utilities. When based on CRSP generation patterns, the change in
operations was described in terms of energy and capacity under various operating rules.
The operating rules considered included present operations at Glen Canyon Dam, a
5,000 cubic feet per second (fr/s) minimum, an 8,000 ft3/s minimum, and a complex
operating rule with hourly restrictions on minimum releases, maximum releases and
ramp rates.
Implementation of these methodologies required a description of a change in operations at
Glen Canyon Dam. Much of the effort during this study focused on determining the
appropriate manner in which the changes in operations would be input to the various methods.
Two distinct points of view developed with regard to this issue.
One point of view was that changes in the operating rules should be reflected by a contract
change in the amount of SLCA/IP energy and capacity that is marketed under long-term firm
power contracts. From this perspective, estimating the economic impact of the changes in dam
operations requires only the estimation of the cost to SLCA/IP customers to replace the energy
and capacity lost because of the changes in the contract rate of delivery.
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A second point of view was that evaluations of the impacts of changes in operations ought
to be based on historical SLCA/IP hydro generation patterns, and thus additionally account for
non-firm purchases and sales. Non-firm power is produced and marketed under short-term
contracts and sold on the regional power market. Focusing solely on long-term contracts tends
to ignore the distinction between fulfillment of SLCA/IP contract obligations and SLCA/IP
generation. For example, in dry years, Western must purchase power to fulfill its contracts,
while in wet years, Western may have excess power to sell. Even in years in which there is just
enough energy to meet the contracts, Western may meet its off-peak demand by purchasing
thermal power, saving the hydro resource for sale during on-peak periods.
The distinction between delivery of energy under SLCA/IP contracts and SLCA/IP
generation takes on additional importance when considering changes in dam operations. While
changes in operating rule will not affect the total amount of energy produced, they may have
two important impacts. First, changes in operating rules may shift energy production to periods
when the energy is less needed and, therefore, the value of energy is low, reducing the overall
value of the energy produced. Secondly, changes in operating rules may result in a decrease in
the amount of energy sold under firm power contracts and consequently increase the amount of
energy sold under non-firm power contracts. The ability to explicitly deal with these non-firm
sales and purchases is central to understanding the full power impacts of changes in operations.
Western's rate and repayment analysis does take these factors into account and they do effect
the rates paid by the CRSP firm power customers.
Results
• When based on changes in contracts (CRODs), the production cost model (Elfin) and
the generation expansion model (EGEAS) produced results that were very similar.
The economic impact of the 10 percent reduction in energy and capacity to all three
hypothetical utilities was estimated at $126 million by Elfin and at $117 by EGEAS. These
results are within 8 percent of each other. Application of the standard alternative thermal plant
(ATP) method yielded an estimate of the impact of a reduction in energy and capacity of 10
percent at $12 million annually. However, because of basic inconsistencies between the
modeling methods and the standard ATP method, a direct comparison between the ATP results
and the modeling results is not appropriate. For example, the figures from the modeling results
are the present value of a stream of 50 years of increased production costs, while the ATP
method reports an annual value. Even if the ATP method results are modified to reflect the
present value of a 50-year stream of annual costs, there still remain important differences.
These differences prevent meaningful comparisons between the ATP method and the system
simulation models.
• When the modeling methods were applied to changes in patterns of CRSP hydro
generation data, Elfin and EGEAS produced results that were wiUiin 10 percent of each
other when measuring the impacts of the imposition of a 5,000 fr/s minimum and an
8,000 ftr/s minimum releases.
The ATP method was not used to evaluate changes in CRSP generation data because the
method cannot efficiently deal with capacity and energy that changes on a monthly basis.
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Recommendations
• While all three methodologies have the potential for application in GCES, we feel that
the power systems simulations models are superior to the ATP method.
We base this conclusion on the ability of power systems simulation models to expb'citly
incorporate important features of power systems with which the ATP method has difficulty
dealing. Because of this deficiency, we cannot recommend the use of the ATP method as the
primary methodology for use during GCES investigations of power impacts to large systems of
changes in operations at Glen Canyon Dam.
• Because both power system simulation models have important distinguishing features
and the use of two models provides greater accuracy and quality assurance, we
recommend continued use of both Elfin and EGEAS in the evaluation of changes in
operations at Glen Canyon Dam. To assure consistency, Elfin and EGEAS should be
run by the same consultant
We feel that both Elfin and EGEAS possess sufficient flexibility to address the potentially
large number of changes in dam operations which may develop during the course of GCES and
the public involvement phase of the Glen Canyon Dam Environmental Impact Assessment. We
feel that both Elfin and EGEAS can produce results that are credible, defensible, and consistent
with the present state of power valuation.
Study Limitations
• Because this study is based on a hypothetical power system, the estimated power system
impacts reported in this study cannot be taken in any sense as indicative of the
magnitude of power system impacts on real SLCA/IP customers that would result from
a real change in Glen Canyon Dam operations. The power system impacts reported by
this study, however, are sufficient to compare the results of the three methods being
evaluated.
• Furthermore, this study only evaluates methods for estimating the power system
impacts for hypothetical SLCA/IP customers having their own generating capabilities.
The methods discussed in this report are not appropriate to measure the power system
impacts for smaller utilities without these capabilities. The impact to these smaller
utilities will be analyzed as part of GCES and the Glen Canyon NEPA process.
• Revenues earned by Western are used to cover project expenses and to pay back project
costs. By law, rates must be set at a level adequate to repay all allocated project costs
within 50 years. Any changes in dam operations resulting in a change in marketable
resource and/or a change in non-firm sales and purchases will affect project revenues
and, therefore, have the potential to affect rates to firm power customers. This study
did not examine the effect of changes in dam operations on rates to firm power
customers. Further studies by the economics team will evaluate the impacts of changes
in operations to marketable resources and the resulting rates charged to firm power
customers.
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Cost estimates from power system simulation models are affected by major independent
variables including the load forecast, capital and fuel costs, hydrology, interest rates,
and purchased power costs. Studies of actual power system often include a sensitivity
analysis in which variables are changed so that their impact on cost estimates can be
analyzed. In this study, these variables were held constant. Future studies, using
actual utility data, should test sensitivity to these and other variables.
In most studies involving power system simulation models, the first step involves
"benchmarking,"or calibrating, the model. Benchmarking can be accomplished by using
the model to estimate system costs for a recent time period for which actual system
costs are known. In this study, benchmarking was impossible since the system being
modeled was a hypothetical system for which no actual systems costs were known.
For portions of this study focusing on changes in CROD, the change in marketable
resource (i.e. amount of energy and capacity available for firm contracts) was arbitrarily
set at a reduction of 10 percent for both energy and capacity. A satisfactory
methodology to translate changes in operations to changes in the marketable resource
was not developed for this component of the study.
Transmission constraints were not included in this study.
Environmental considerations due to changes in thermal generation were not included
in this study.

SECTION 1: INTRODUCTION
This section describes the study objective, the study process, the study participants, the
contractors who completed the power system modeling, and current operations at the Glen
Canyon Powerplant.
Study Objective
The objective of this study is to recommend a method for estimating the economic value of
power system impacts caused by potential changes in the operations of the Glen Canyon Dam
and Powerplant (Figure 1.1). This study is part of the Glen Canyon Environmental Studies
(GCES), an ongoing evaluation of the impacts of releases from the Glen Canyon Dam. Phase I
of the GCES focused solely on the measurement of downstream impacts of dam releases.
Subsequent to the final report on GCES Phase I, the Department of Interior authorized further
studies, including studies of the economic impacts to power production from changes in
operations at Glen Canyon Dam.
Study Process
Methods. Three methods for calculating the economic value of power systems impacts
were evaluated in this study. In order of least complex to most complex, they are:
1.

a variation of the Alternative Thermal Plant Method (ATP) developed by the
Bureau of Reclamation and the Federal Energy Regulatory Commission, and
adapted by Western Area Power Administration, and

2.

the Electric Utility Financial and Production Simulation Model (Elfin), a simulation
model developed by Environmental Defense Fund, and

3.

the Electric Generation Expansion Analysis System Model (EGEAS), a simulation
model originally sponsored by the Electric Power Research Institute and
commercialized by Stone & Webster Management Consultants, Inc.

The ATP method was chosen for evaluation in this study because of its long history of use
in the evaluation of the benefits of federal power projects. However, concern about the ability
of the ATP to adequately address important features of power production has led to increasing
use of complex computer simulation models.
Power system simulation models have been used in the electric utility industry for several
years to estimate both short-run and long-run marginal costs. These models estimate the least
cost combination of existing and future resources that is required to meet projected demand at
specified reliability levels. They are capable of manipulating the large amount of

basic data necessary to evaluate a regional power system such as: operation data for existing
plants, operation data for future plants, the mix and cost of fuels, reliability requirements,
current and projected system loads, etc.
Elfin and EGEAS were both included for study evaluation because they represent two
major classes of power system simulation models. Elfin is a production cost model, while
EGEAS can be characterized as a generation expansion model. The primary difference between
production cost models and generation expansion models is the way in which each model deals
with the need for future capacity additions. In a production cost model, capacity additions are
handled outside the model. In a generation expansion model, the timing and nature of capacity
additions are calculated as part of the operation of the model. In general, production cost
models are used as tools in operational planning, and generation expansion models are used in
long-term least-cost planning. Both have been used to measure avoided costs.
Evaluation Criteria. Ideally, the methodology selected should be sufficiently flexible to
handle impacts to systems of various sizes, be able to handle a variety of potential restrictions
on operations including minimum releases, maximum releases, and restrictions on ramp rates.
In addition, the methodology should be credible both in terms of its technical merits, as well as
its acceptability to various constituent groups who will review the output from the methodology
during the development of Glen Canyon Dam Environmental Impact Statement.
All three methods were evaluated for:
1. their ability to model power system parameters (different system sizes, different
utility sizes, loads, and changes in fuel costs, inflation, and interest rates);
2. their implementation considerations (level of detail required to use the method,
cost of using the method, accuracy of the method); and
3. their flexibility in handling alternative operating criteria for Glen Canyon Dam.
Hypothetical System. A hypothetical power system was constructed for this study. It
consisted of three interconnected utilities, each having an allocation of SLCA/IP hydropower in
addition to their own power generation capabilities. This hypothetical system was constructed to
represent "typical" SLCA/IP customers that had their own generation resources. ATP, Elfin,
and EGEAS were used to estimate the increase in the cost of meeting power demand within the
hypothetical power system caused by a change in operations at Glen Canyon Dam Powerplant.

In this study, arbitrary changes were made to the hydro allocation portion of each utility's
resources, and these changes were then compared to the base case. The base case was designed
to simulate current operations. The selection of arbitrary changes in dam operations was
necessary since actual alternatives for dam operations have not yet been defined, but will evolve
out of research in progress under GCES and out of public involvement during the
environmental impact statement (EIS) process.
Measurement of Power Impacts. The ATP method calculates power value changes in three
basic steps (Figure 1.2). The first step identifies the future thermal unit or units that are most
likely to be selected to replace the power lost by changes in hydro plant operations, estimates
the transmission requirements for comparable points of delivery, and determines the fuel type
appropriate to the thermal alternatives. The second step derives the fixed capacity costs and
variable energy costs for the thermal plant alternative selected, including transmission. The
third step adjusts the thermal capacity and energy costs to reflect unique operating
characteristics of the hydro plant being analyzed. The adjusted fixed and variable costs are,
respectively, the capacity and energy components used to calculate the value of capacity and
energy lost due to reductions in CROD resulting from changes in dam operations.
The system simulation models, Elfin and EGEAS, derive power values by simulating a
utility system's operation for base conditions and for changes to the base conditions. The
difference between the total costs of satisfying power demand in the base case and comparable
costs in the change case represents the impact to power.
While all three methods under evaluation in this study are consistent with the Principles
and Guidelines set forth by the U.S. Water Resources Council, and all three methods measure
the economic value of hydropower as the difference between the costs of meeting electrical
demand without the proposed change (base case) and with the proposed change (change cases),
the fact remains that ATP and the two simulation models approach the problem in different
ways.
The ATP method assumes that if operational constraints on Glen Canyon Dam and
Powerplant reduce its ability to deliver power, demand will be met by constructing and operating
a powerplant of capacity equivalent to the loss at Glen Canyon. Full-scale versions of EGEAS
and Elfin could imitate the generation and distribution of power in the interconnected system of
powerplants within which Glen Canyon actually operates. If the change cases being evaluated
would affect Glen Canyon Dam and Powerplant's ability to generate power, these models would
look within existing and projected future power systems to identify least-cost ways of meeting

portions of demand that can no longer be met by Glen Canyon operation. When the necessity
of building new powerplants emerges as the least-cost way to meet demand, the simulation
models will identify this as the solution.
In cases where a new powerplant would be required immediately, results from the
simulation models should be roughly similar to results from the ATP method. However,
simulation models have the ability to seek out other ways to meet demand that may be less
costly than immediate construction of a new powerplant. For example, it might be cheaper to
use excess capacity that exists somewhere in the system for several years. Or, a summerpeaking utility may be able to buy power from a winter-peaking utility and vice versa, depending
on the season.
Because simulation models are able to consider more ways to satisfy demand, both now
and in the future, they should, in principle, be more accurate than the ATP method. However,
simulation models are more complex and more expensive.
Power Economics Team
A secondary purpose of this study was to achieve consensus among a variety of parties with
an interest in the operation of the Glen Canyon Dam. To achieve this goal, the GCES Power
Economics Team consisted of representatives of the following diverse groups.
U.S. Bureau of Reclamation. The U.S. Bureau of Reclamation (Reclamation) is a federal
agency in the Department of the Interior that has been responsible for the construction of more
than 500 water projects in the western United States. Reclamation operates 52 powerplants
with an installed capacity of 13,500 megawatts (mW). The Western Area Power Administration
and the Bonneville Power Administration market energy produced by Reclamation powerplants
in excess of Reclamation project requirements.
Colorado River Energy Distributors Association. The Colorado River Energy Distributors
Association (CREDA) is a non-profit organization comprised of wholesale and retail electric
utility systems or agencies providing service in Wyoming, Utah, Colorado, Arizona, Nevada, and
New Mexico. A membership list is attached in Exhibit 1.1.
The retail utilities, which themselves are members or are served by CREDA members,
range in size from fewer than 100 retail customers to over 450,000 retail customers.
Municipalities, state agencies, rural cooperatives, and utility associations are represented within
CREDA. In total, approximately 1,000,000 households, or 2,850,000 persons, receive electricity
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through the CREDA membership. In serving these consumers, the CREDA member systems
(including the retail electric utilities served by wholesale members of CREDA) cover a large
portion of the six-state marketing area for the SLCA/IP electricity.
CREDA members have existing contracts for approximately 1,077 mW of summer and
1,084 mW of winter capacity from the SLCA/IP of which CRSP represents the largest source.
Firm electric energy to the CREDA members associated with their SLCA/IP contract is about
4,802,100 megawatt-hours (mWh) annually.
Environmental Defense Fund. The Environmental Defense Fund (EDF) is a not-for-profit
organization established in 1967 and dedicated to the protection and rational use of natural
resources, and to the preservation and enhancement of the human environment. EDF has
offices in New York, New York; Oakland, California; Washington, D.C.; Richmond, Virginia;
Raleigh, North Carolina; and Boulder, Colorado. EDF has more than 100,000 members.
Western Area Power Administration. The Western Area Power Administration (Western)
was established in 1977 to market and transmit power produced at 50 federal powerplants
owned by the Army Corps of Engineers, Reclamation, and the International Boundary and
Water Commission.
Western serves 597 wholesale power customers in 15 western states including electric
cooperatives, municipalities, public utility districts, investor-owned utilities, federal and state
agencies, irrigation districts, and Reclamation projects and facilities.
Western's Salt Lake City Area Office markets the federal power from the Colorado River
Storage Project (CRSP), the Rio Grande Project, the Collbran Project, collectively known as the
Salt Lake City Area Integrated Projects (SLCA/IP), and from the Provo River and FalconAmistad Projects. The CRSP is by far the largest of the projects in terms of power generation.
Resources from the SLCA/IP are marketed in Utah, New Mexico, Colorado, Arizona, and
portions of Nevada and Wyoming.
Total SLCA/IP contracts represent winter capacity of 1,291.232 mW and a summer
capacity of 1,269.891 mW. Total SLCA/IP contracted winter and summer energy is
2,672,825.850 mWh and 3,028,882.350 mWh, respectively.

Study Contractors
Three study contractors were selected to complete the power modeling assignments. The
Environmental Defense Fund (EDF) was chosen to run the Elfin model, similarly Stone &
Webster Management Consultants, Inc. (Stone & Webster) ran the EGEAS model. Contractor
selection was based on familiarity with the models, and the ability to demonstrate the full
capabilities of the software package. A third contractor, HBRS is a consulting firm specializing
in resource economics and market research. HBRS conducted recreation research during
GCES Phase I and is an ongoing participant in GCES.
Glen Canyon Powerplant Description
Glen Canyon Dam is located on the Colorado River, near the Arizona-Utah border.
During the past year, the 1,320-mW powerplant at Glen Canyon Dam produced over four billion
kWhs. Glen Canyon represents nearly 80 percent of Western's Salt Lake City Area office
resources, and is within the Upper Colorado load control area operated by Western. Power
generated by the Glen Canyon Dam is considered to be part of the power generated by the
Colorado River Storage Project (CRSP) facilities which include the Glen Canyon, Crystal,
Flaming Gorge, Fontenelle, Morrow Point, and Blue Mesa Dams. CRSP power is marketed by
Western.
Firm Capacity and Energy. Western's determination of the marketable hydropower
resource is based on multiple long-run simulations of hydrologic conditions in the Colorado
River Basin performed by Reclamation using the Colorado River System Simulation (CRSS)
model. From these hydrologic simulations, Western determines a distribution of monthly
capacity and energy. Western defines long-term seasonal marketable capacity as the seasonal
capacity that will be available in all but an adverse condition . Marketable energy is roughly
equivalent to the average energy. Marketable energy and capacity is allocated by means of
contracts to SLCA/EP firm power customers. If, during a particular year, power available from
SLCA/IP resources is less than the contract amounts, Western will purchase replacement power
from other utilities. In other years, SLCA/IP generation provides capacity and energy above
the firm contract commitments. Western markets these surpluses as short-term firm (e.g.,
capacity and energy, capacity only, or energy only) and/or economy energy. Therefore, the
SLCA/IP hydrogeneration and the purchases define the "marketable resource" on a long-term
contractual basis.

Western proposed a different definition of marketable firm capacity for the contract period
October 1989 through September 2004. The proposed definition was based on a 90 percent
probability of availability. However, the court order in National Wildlife Federation vs. Western
limited marketable capacity to be no different than the amount under contract prior to the
proposed post 1989 contracts.
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Allocation of Firm Capacity and Energy. Allocations to customers under Post-89
Marketing Criteria were made on the basis of energy. Customers had some choice in their
capacity allocations. Therefore, the load factor of SLCA/IP firm resources varies among
customers.
Scheduling Power Deliveries. Customers must schedule at least 35 percent of their
seasonal capacity allocation all of the time. Their capacity and energy allocations are "loadpatterned" within the season based on an average of three typical historical years.
Dam Operations. Monthly release volumes are determined by Reclamation. Factors
considered by Reclamation in determining monthly releases includes forecasted inflow, annual
storage targets, annual release requirements, and the demand for power. Within the monthly
release volume determined by Reclamation, and agreed to by the Colorado River Basin states,
Western can schedule releases to meet power demands, minimum release requirements, NERC
criteria, power emergencies under the Inland Power Pool agreement, and other power systems
requirements.
Study Limitations
Magnitude of Power Impacts. This study is based on a hypothetical power system.
Consequently, the estimated power system impacts reported are not indicative of the magnitude
of power system impacts on real SLCA/IP customers that would result from a real change in
Glen Canyon Dam operations. However, the power system impacts reported by this study are
sufficient to compare the results of the three methods being evaluated.
Smaller Utilities. This study only evaluates methods for estimating the power system
impacts for hypothetical SLCA/IP customers having their own generating capabilities. The
methods discussed in this report are not appropriate to measure the power system impacts for
smaller utilities without generating capabilities. However, the use of power system simulations
models to analyze impacts to larger SLCA/IP customers could provide useful information for
the analysis of impacts to small utilities.
Sensitivity Analysis. Cost estimates from power system simulation models are affected by
major independent variables including the load forecast, capital and fuel costs, hydrology,
interest rates, and purchased power costs. Studies of actual power systems often include a
sensitivity analysis in which variables are changed so that their impact on cost estimates can be
analyzed. In this study, these variables were held constant. Future studies, using actual utility
data should test sensitivity to these and other variables.
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Transmission constraints were not included in this study.
Environment considerations due to changes in thermal generation were not included in this
study.
Benchmarking. In most studies involving power systems simulation models, the first step
involves "benchmarking," or calibrating, the model. Benchmarking can be accomplished by using
the model to estimate system costs for a recent time period for which actual system costs are
known. In this study, benchmarking was impossible since the system being modeled was a
hypothetical system for which no actual systems costs are known.
Project Repayment. Finally, this study does not address the issue of project repayment or
rates for firm power contracts.
Report Organization
Section 2 details the study inputs used in the application of all three methods. The
methods are described in more detail, inputs into the hypothetical system are explained, and the
modeling effort for Elfin and EGEAS is summarized. The estimates of the economic impact
resulting from changes to hydropower allocations are presented in Section 3 for all three
methods. Section 4 compares the methods and summarizes the conclusions.
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SECTION 2: STUDY INPUTS
This section discusses in detail the three methods evaluated by the study, the basic
construction of the hypothetical system used in the evaluation, and the way that changes to the
hydro allocation were modeled.
Methods
Four methods are available to measure the economic value of power system impacts: the
alternative thermal plant method, operations models, production cost models, and generation
expansion models. The last three methods are power system simulation models.
Alternative Thermal Plant Method. The alternative thermal plant method (ATP) is,
historically, the oldest of the four major methods and has been used primarily by federal
agencies. Unlike the power system simulation models, the ATP arrives at power values by
identifying a single alternative thermal plant which is used to estimate cost savings attributable
to a proposed hydropower project. The economic logic of the ATP method is that if a
hydroelectric plant is added to the system, it will be unnecessary to add a thermal plant with
equivalent capabilities. Thus, the value of the hydroelectric power is equal to the savings from
not having to obtain an equivalent amount of power from the thermal alternative. In the
present case, changing how Glen Canyon Dam is operated could reduce its ability to generate
power. If so, the ATP method would value the lost power at the cost of building and operating
an alternative thermal plant capable of satisfying the demand that could no longer be satisfied
from Glen Canyon.
One of three basic types of thermal plants is typically selected by the ATP method to
represent the hydro plant operations: peaking, intermediate, or baseload. The average annual
fixed capacity costs per kW and variable energy costs per kWh are computed for the selected
alternative thermal plant. Transmission costs and losses to load center are estimated to make
the proposed hydro and matching thermal alternative more fully comparable. The capacity and
energy values are adjusted to represent the differences in operating characteristics between the
hydropower plant and the alternative thermal plant when operating as a part of a system.
System Simulation Models. For years, the electric utility industry has used system
simulation models for many purposes, including estimation of both short-run and long-run
marginal costs, as well as evaluations of reliability, generation planning, operations, and avoided
costs. System simulation models are used to estimate the least cost combination of existing and
future resources to meet projected demands and specified reliability levels. Evaluation of the
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operation of a regional power system requires a great deal of basic data on operation of existing
plants, the costs and operating characteristics of alternative future plants, the mix and cost of
fuel, reliability requirements, current and projected system loads, and other related information.
One function of a system simulation model can be to minimize the present value of system
operating costs while meeting electrical demand, subject to a system reliability constraint. For
thermal only systems, the solution usually loads generators in order of increasing marginal cost
with consideration given to operating constraints. The inclusion of hydro complicates the
determination of the minimum cost operating plan. Hydro operational factors include the
scheduling of hydro over hours, weeks, months, and years, hour-to-hour reservoir and
streamflow constraints, and the ability of hydro to mitigate the effects of thermal forced outages.
Operations models are usually based on hourly demand schedules, resulting in a highly
detailed description of systems operations. Basically, operations models simulate how the power
systems operate on an hour-to-hour basis, taking into account the daily cycling problems of
plants, the inability of the dispatcher to predict loads several weeks in advance, the limitation of
pumped-storage and hydro reservoirs, and the changes in plant commitment. In operations
models, look-ahead features are incorporated to simulate operator strategy for avoidance of
shortages of spinning reserve or of excesses that lead to inadvertent tie-line outflows. The high
degree of complexity of the operations model output limits the use of these models to analysis
time periods of six months to a year. Operations models were not considered for this study
because the short time frame of this model could not adequately reflect the historically long life
of hydro plants.
Production cost models, of which Elfin is an example, employ a least-cost dispatch of utility
powerplants given a load duration curve, a complete description of present resources, and the
relevant economic system parameters. The output from a production cost model is an estimate
of system operating costs for a specified time period. The planning horizon for production cost
models is usually based on the life of the generation resource being evaluated--in this study, a
hydro dam. Production cost models can be based on hourly demand as the operations models
are, but most production cost models use a load duration curve for the dispatch.
Production cost models can be deterministic or probabilistic. In probabilistic models the
availability of a resource unit is treated as a random variable, while in the deterministic model,
each plant is assumed to be available 100 percent of the time, but at a reduced capacity.
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Since the production cost model only produces an estimate of current operating costs, or
energy values, capacity values for each possible alternative have to be calculated outside of the
model each time capacity must be added to the system. Consequently, production cost models
are best suited for analyzing the operations of an existing system. However, they can also be
used to plan future generating plant additions by comparing the production costs for a variety of
additions to the existing system. Determination of optimal additions to capacity using a
production cost model can be difficult because of the potentially large number of alternative
plants and combination of plants that would need to be evaluated.
Applying a production cost model to this study involves comparing costs for production and
capacity expansion for a base case to comparable costs for alternative change cases. The base
case would reflect utilities' operations and expansion over time with Glen Canyon operating
according to current criteria. A change case would involve some potential change in operating
criteria that would affect Glen Canyon's ability to generate power to help meet demand within
the utility system. The value of the change in power deliveries from Glen Canyon would then
be the aggregate present value of costs for operation and capacity additions calculated for the
change case minus these same costs calculated for the base case.
Generation expansion models, of which EGEAS is an example, also determine the least- cost
operation of a power system. In addition to estimating the production cost, generation
expansion models select the "best" capacity expansion plan as part of the optimization routine.
Additions to capacity are selected by the model to meet increases in demand, retirement of
existing facilities, and system reliability requirements at the lowest possible cost. Like the
production cost models, the value of hydropower is calculated as the difference in cost caused by
a change in power deliveries from Glen Canyon Dam.
Study Period
Costs must be measured over a suitable time frame, and costs in different years must be
"added" properly. In this study, total costs were measured as the present value of revenue
requirements over a 50-year period. This 50-year period consisted of a 20-year planning period
followed by a 30-year extension period. The 20-year planning period was long enough so that
changes in generation-including the construction of new plants-that result from changes in
operations at Glen Canyon will be represented in the simulations. During the 20-year planning
period, fuel, O&M, and construction costs escalate, and, consistent with Western Systems
Coordinating Council (WSCC) projections, the loads of the hypothetical utilities grow by 2
percent each year.
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The 30-year extension period was dictated by the long life of electric utility investments
(powerplants are typically depreciated over a 30-year period). In order to capture the correct
life-cycle costs of alternative resource units constructed during the 20-year planning period, the
present value of system cost must include at least most of the lives of those plants. During the
30-year extension period, generation is held constant, while the costs of generation rise
uniformly.
The Hypothetical System
Decisions on the exact description of the three hypothetical utilities in the system were
made with the sometimes conflicting goals of adding necessary realism to the study, while not
excessively complicating the hypothetical system. The hypothetical utilities were designed to
reflect a variety of the larger CRSP customers. The utilities were constructed to have varying
seasonal peaks, load sizes, and their own generation resources plus a hydro allocation. They
were assumed to be interconnected with no transmission constraints, and were able to make
capacity transactions. Finally, all three utilities were assumed to have a load growth escalation
rate of 2 percent a year. The data used for the hypothetical system were collected by Stone &
Webster from actual utility data in their generation data files. The thermal units are
representative of several utilities, but do not represent an actual utility.
Load Information. The same load growth escalation rates were used for simplicity
purposes for all three utilities. An escalation rate of 2 percent per year was used for both peak
demand and energy. Exhibit 2.1 illustrates peak demand and energy assumed for Utilities A, B,
and C for the 20-year planning period. Figure 2.1 graphically illustrates the same information.
This escalation rate for peak demand combined with a system reliability requirement means that
Utility A would require capacity after 1993, Utility B would require additional capacity after
1998, and Utility C would not require capacity during the study period. The load shape
information was provided by Western. Utility A load shape data were based on the Loveland
Area Office's load control area which is summer peaking and has a 54 percent load factor.
Utility B load information was generated from the Montrose load control area which consists of
predominantly winter-peaking utilities. The load factor for Utility B was assumed to be 62
percent. The shape for Utility C was based on an individual, summer-peaking utility which has
an annual load factor of 67 percent.
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During a year of simulation, the load shape was scaled to match the annual peak and
energy. Since the shape did not change, each hourly load increased 2 percent per year,
consistent with the annual peak and annual energy. The load shape in this study consisted of
hourly data for a representative year (8760 hours). EGEAS used the hourly load input on a
yearly basis. Typical weeks were used in the Elfin model to accommodate data input
restrictions.
Existing Generation Resources. The existing generation capacities of various types of
resources for the three hypothetical utilities are presented in Table 2.1. Utility A has six
thermal generating units: five coal-fired plants, and one combustion turbine. Additionally, a
purchase contract with Western for federal hydro power was assumed to be in place for the
entire study period. Utility B has nine thermal generating units: three coal-fired, six
combustion turbines, plus a hydro allocation. Utility C has two units: one coal-fired and one
combustion turbine, plus a hydro allocation.
Table 2.1:

Summary of Generating Capacity of Existing Resources

Characteristics

Utility
A

Utility
B

Utility
C

Seasonal peak

Summer

Winter

Summer

System size

900 mW

300 mW

100 mW

Number of thermal units

6

9

2

Type of thermal units
Coal
Combustion turbine

5
1

3
6

1
1

270 mW

30 mW

40 mW

67%
3%
30%

60%
30%
10%

35%
5%
40%

Hydro allocation (base case)
Fuel
Coal
Oil
Hydro

All coal plants and combined cycle plants are assumed to be minimum constrained; that is,
in order to run at all during a typical week, they have to run at a minimum level for the whole
week. In the EGEAS runs, however, two of utility A's coal plants were characterized as quickstart units.
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The thermal fuel information required by the models includes the fuel type, the unit of
mass, the cost of the fuel, the heat content, and the escalation rates of the fuel cost. Fuel costs
were supplied in base year dollars per million British thermal unit ($/MBtu); the base year
being 1989 for this study. The summary of the fuel information, by generating unit is presented
in Table 2.2.
The capacity of generating units can normally be classified into several different categories.
The maximum capacity, also called "maximum net dependable capacity" (which is not usually the
same as nameplate) is that maximum capacity level at which the unit can operate for an
extended period of time. For purposes of dispatching the generating units, other capacity states
were identified, including the minimum capacity state, the lowest capacity level at which the unit
can operate. For most thermal generating units, the minimum capacity state is in the range of
25 to 40 percent of the maximum rating of the unit. Capacity states are important for modeling
purposes because they are the levels at which the incremental heat rates are input.
Capacity states were identified for each unit that was modeled with the corresponding average
or incremental net heat rate information (See Exhibit 2.2).
Fuel requirements of units are determined by using a net heat rate (Btu/kWh) which
measures the fuel energy required per unit of electric energy generated. The data were
provided for each of the identified capacity states. To explain the derivation of the full load
weighted average heat rate consider coal unit 1 for Utility A:

State
1-Minimum
2
3
4-Maximum

Incremental
Capacity
mW
32.26
25.81
25.81
16.13

Heat Rate (Btu/kWh)
12,668
9,010
10,592
11,879

(Average)
(Incremental)
(Incremental)
(Incremental)
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A summary of the incremental heat rates for all thermal units is listed in Exhibit 2.2.
Escalation rates. Escalation rates enable the models to specify how various inputs change
from year to year. Those escalators specific to this study include fuel costs, operation and
maintenance costs, and cost of capital. Figure 2.2 summarizes these escalation rates used in this
study.
Fuel cost escalation rates were taken from Data Resources, Inc. Coal, oil, and natural gas
escalation rates follow similar patterns with the highest rate occurring in the late 1990s.
Operation and maintenance expenses (O&M) for thermal generating units are generally
comprised of fixed and variable components. Fixed O&M costs will be incurred whether or not
a unit operates, whereas variable O&M costs are costs that vary with utilization or operation of
a unit. For existing units, both the fixed and variable O&M costs are applicable since the
retirement dates of certain units would depend on the total O&M expense related to the unit.
Escalation rates for both fixed and variable O&M costs are fairly constant at 4 to 5 percent over
the first 20 years and remain constant at 4 percent for the remaining 30 years of the 50-year
study period (Also see Exhibit 2.3).
Maintenance schedules for generating units are usually represented by one of two methods.
One method allows for the number of weeks a unit is off line, with no reference to the time of
year. Using this method, maintenance is scheduled to minimize the loss of load hours, or is
spread out evenly throughout the year. The second method allows for both the number of
weeks of outage, as well as the specification of the week the outage begins. In this study, both
Elfin and EGEAS employed the first method. Maintenance requirements were selected to
represent typical maintenance needs of the kinds of generation resources used in this study.
Exhibit 2.4 shows the details of the maintenance requirements that were used in this study.
The forced outage rate measures the fraction, or percent, of time that a unit is out of
service due to mechanical failure, or any unplanned outage. Outage rates are treated on a
probabilistic basis within the models. The forced outage rates for existing units are summarized
in Table 2.2.
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The operating life of the thermal units was assumed to extend over the period of 50 years of
analysis for purposes of this study. Both the EGEAS and Elfin models have the capability to
retire units during the study period.
Hydro Allocations. Two separate hydro allocation approaches were followed to describe
hydro allocations to the three hypothetical utilities. The first approach describes the allocation
in terms of a contract rate of delivery (CROD) and an associated energy. For the purposes of
this study, the seasonal energy associated with a seasonal capacity was calculated at a 50 percent
load factor. The size of the hydro allocation to each of the hypothetical utilities was provided
by Western. The allocations were meant to reflect typical allocations to large CRSP customers.
Monthly capacity and energy deliveries were proportional to the utility's monthly load. The
CROD was assumed to be available for all 50 years of the study.
In Exhibit 2.5 for example, Utility A has a 270 mW hydro allocation. Utility A has a
summer (April-September) peak demand of 693 mW and a winter (October-March) peak
demand of 496.034 mW. Utility A also has a hydro allocation of 270 mW. Consequently, the
summer seasonal hydro capacity will be 270 mW, and the winter seasonal capacity will be
(496.034/693) x 270 = 193.26 mW. Total winter hydro energy will be (193.26 mW) x (4368
hours/winter) x (.5) = 422,080 mWhs. Summer hydro energy will be (270 mW) x (4392
hours/summer) x (.5) = 592,920 mWhs. In addition, each utility was required to take 35
percent of its seasonal hydro capacity at all times.
Utilities were free to use the remaining hydro energy and capacity on a load-following
basis. The hydro allocations in terms of these contracts are also described in Exhibit 2.5. When
describing the hydro allocation in terms of CROD, the change case was set arbitrarily as a 10
percent reduction in the capacity and energy.
The CRODs represented one approach to describing the hydro allocation because the
utilities count the CROD capacity as firm deliveries in their short-term (15 years or less)
capacity expansion calculations. However, contract capacities and energy do not necessarily
reflect actual available hydro capacity and energy. For example, under Western's definition of
marketable resources, one would expect that hydrologic conditions would provide sufficient
capacity for Western to meet its contracts in 99 out of 100 years. For energy, the hydrologic
conditions would provide sufficient energy to cover contract energy roughly 50 percent of the
time. Thus, in any year, the hydro capacity and energy available to Western will differ from the
amounts of capacity and energy Western is obligated to supply. In dry years, Western will have
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to purchase energy to meet its contracts; in wet years, Western will have extra energy to sell.
These purchases and sales are made within the regional power market.
To measure the difference between the CRODs and the actual hydro generation, a second
approach to describing the hydro allocations was developed. This second approach focused on
dam operations rather than contracts (Exhibit 2.6). Under this second approach, instantaneous
capacity and energy were calculated on a monthly basis. These calculations were based on a 20year run of the Colorado River System Simulation (CRSS) model. Twenty-two percent of the
CRSP resources were allocated to Utilities A, B, and C using the following percentages. For
energy, Utility A has 78.37 percent, Utility B has 9.06 percent, and Utility C has 12.57 percent.
For capacity, Utility A has 81.01 percent, Utility B has 6.99 percent, and Utility C has 12.00
percent. The utilities were allowed to schedule delivery of energy from their CRSP allocation as
long as they did not violate a set of operating rules for the hydropower plant. In the base case,
the utility was required to take a minimum delivery of energy determined by the current
minimum release schedule of 1,000 (ft3/s) in the winter and 3,000 ft3/s in the summer. After
taking the energy associated with the minimum releases, utilities were allowed to use the rest of
their monthly hydro energy on a load-following basis.
The difference between results based on CRODs and results based on actual hydro
generation would represent the cost of the purchase power that Western uses to firm up the
contract rates of delivery. If Western were not obligated to meet existing contracts, using the
actual hydro generation for each utility would be more appropriate.
Interconnections. Several decisions had to be made regarding the ability of the utilities in
the hypothetical system to make inter-utility power transactions. As mentioned above, the
hypothetical system was limited to a universe of just the three utilities. The three utilities were
assumed to be able to make transactions with one another and, to avoid complexity in the
hypothetical system, no transmission constraints were assumed. Thus, one important
assumption in this study was that the utilities will make all available economy transactions.
Capacity Transactions. Capacity transactions were made whenever one utility fell below a
20 percent reserve margin and there was excess capacity available in the system. If a utility did
not have enough capacity to meet the 20 percent criterion, and other utilities in the system had
excess capacity, it purchased additional capacity. If excess capacity was not available, the utility
must build additional capacity. Capacity additions (coal, combined cycle, and combustion
turbine) were assumed to be available in relatively small increments of 25 mW. (This is not
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intended to represent the size of actual generation units, but rather to reflect the reality that
there may be opportunities for joint ownership of large units.)
Utility A, for example, has a lower reserve margin than Utility B or C. Thus, without
capacity transactions, Utility A would have to make capacity additions even though Utilities B
and C have excess capacity. This would tend to increase the cost of changes in operations at
Glen Canyon Dam, probably unrealistically, since utilities do have the ability to "lay off excess
capacity to other, capacity-short utilities. This issue is important since there is, at least for the
near term, excess capacity in the Southwest region. In order to assure that the simulation
methods could handle this degree of complexity, this study assumed that capacity transactions
could be made with no transmission constraints. For this study, the assumed purchase price
was $100/kW/year and $13/mWh.
There was one difference between Elfin and EGEAS in the calculation of capacity
transactions. In the EGEAS runs new capacity could not be sold to other utilities, while in the
Elfin runs both original and new capacity could be sold. This difference has an impact on the
capacity expansion plans devised for this study. In the Elfin runs, some additions to capacity
were avoided because of seasonal capacity sales that were not allowed in the EGEAS runs.
In the hypothetical system, each utility was required to have a 20 percent reserve margin at
all times to ensure system reliability. Because the hydro operation change cases represent a
change in hydro allocation (a limited energy resource), a 20 percent reserve margin in a change
case might represent a different reliability level than that provided by a 20 percent reserve
margin in the base case.
These different reliability levels in the change case were accounted for in the EGEAS
model by using a loss of load probability (LOLP) and the associated reserve margin criteria in
the change cases equivalent to the 20 percent reserve margin of the base case. This ensured
that the base case and change cases were of equal reliability. The different reliability levels
were not taken into account in Elfin. A 20 percent reserve margin was used in all of the Elfin
runs.
Future Resources. For this study, three types of thermal future resources were considered:
a coal-fired circulating fluidized bed (CFB) unit, a combustion turbine (CT) and a combined
cycle (CC) unit. Firm purchase power contracts were also made available if one of the other
utilities had excess capacity.
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The CFB unit data were based on Stone & Webster's 150 mW standard CFB plant. The
costs were based on a fixed preliminary price and 30-month construction schedule. The
construction expenditures were expected to be 16.76 percent in the first 6 months, 59.4 percent
in the next 12 months, and 23.84 percent in the final 12 months. The data on the CT plant were
based on information supplied by General Electric. This conventional combustion unit burns a
low sulfur fuel (No. 2 distillate) or natural gas which is fired in a combustion turbine/electric
generator. The data for the combined cycle unit were also based on information from General
Electric. The combined cycle unit included the installation of a gas turbine, as well as a heat
recovery boiler and a steam turbine generator. The unit would be fueled by natural gas.
For all future thermal resources, capital installation costs, and fixed and variable operations
costs were supplied in 1989 dollars and escalated according to Figure 2.2.
The weighted cost of capital or discount rate is used in the expansion planning analyses to
discount costs to the current year. For this study, a discount rate of 9.125 percent was used for
each of the three systems.
The capital installation cost is used to specify the cost of building a unit including the
associated transmission costs in terms of dollars per kilowatt ($/kW) of rated capacity. For this
study, prior sources of data were utilized to derive a reasonable cost of installation. The capital
installation costs are provided for each type of future thermal unit.
The capital installation cost is converted into annual fixed charges by applying a levelized
fixed charge rate. Fixed charge rates represent the annual cost of owning an asset, including:
depreciation, interest payments, insurance, taxes, and the return on equity. Therefore, to
provide the analysis with future resources to be considered, levelized fixed charge rates needed
to be calculated. As a result of the above assumptions, the CFB unit carries a levelized fixed
charge rate of 13.25 percent, while rates of 15.1 and 14.8 percent were used for the combustion
turbine and combined cycle, respectively. These rates were calculated using the assumptions
shown in Table 2.3. A summary of additional characteristics of alternative thermal resources
are presented in Table 2.4.
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Table 23: Levelized Fixed Charge Rate Assumptions
Coal-Fired
Circulating
Fluidized Bed

Combustion
Turbine

Combined Cycle

35

20

25

Weighted cost of capital
(Assumes private financing)

9.125

9.125

9.125

Depreciation (Sinking fund)

0.451

1.927

1.159

Taxes, insurance, etc.

3.674

4.048

4.516

Fixed charge rates

13.250

15.100

14.800

Service or book life

Overview of the Modeling Effort
CROD Base Cases. To evaluate the economic impact from changes in the hydro resource,
an analysis was made of the hypothetical system's total cost in present value terms of satisfying
demand over the study period before and after the dam operations changes occurred
(Figure 2.3). Since ATP essentially analyzes power values at the margin, or incrementally,
preparation of a base case was not necessary.
For the CROD base case, the models were run for a 20-year planning period with a 30year extension period. Each of the utilities was then dispatched for the planning horizon serving
its own native load, making sales and purchases as appropriate. An expansion plan was
prepared for each utility using either the EGEAS optimization dynamic program option or
estimating the utility's least cost expansion plan, then simulating that plan in Elfin.
A life-cycle type of cost analysis was used to determine each utility's annual costs under
modeling scenarios. Life-cycle analyses for the period of study reflect price conditions expected
in each year of the evaluation period and current interest rates as they relate to price inflation,
and provide for replacement of facilities as needed to keep the system operating. The least-cost
operation for each utility was determined using a present-worth analysis of future operating
costs.

Table 2.4: Summary of Future Generation Resource Characteristic:

Coal-Fired
(CFB) Plant

Gas
Turbine

Combined
Cycle

Operating Life (years)

35

20

25

Rated Capacity (MW)
Operating Capacity (MW)
Emergency Capacity (MW)
Forced Outage Rate (%)

75
73
80
6

63
58
65
5

50
50
53
5

Full Load Heat Rate (Btu/kWh)
Annual Energy Limit (GWh)

10,090
N/A

11,010
N/A

Installation Cost ($/kW)
Construction Cost ($/kW)
Starting Value of CWIP ($/kW)
Equity AFUDC ($/kW)
Debt AFUDC ($/kW)

1,680
1,315
0
165
200

400
400
0
0
0

841
841
0
0
0

Levelized Carrying Charge (%)
Fixed O&M ($/kW/yr.)
Variable O&M (($/MWh)
Default AFUDC (%)
Default Debt (% of AFUDC)

13.25
21.73
3.56
7

15.1
7.5
5
7

14.8
11.4
6.1
7

2

2

2

Coal
1.96

Gas
2.93
3

Gas
2.93
4

Fuel Type
Fuel Cost ($/MBtu)
Construction Period (Years)
Maintenance Schedule

(1) Incremental Heat Rates

7

8,700 (1)
N/A

2 weeks per 3 weeks per
Every 5th
year
year
year 7 weeks,
4 weeks
otherwise
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CROD Change Case. The CROD change case was run for each utility by reducing each
utility's hydro allocation by 10 percent. The CROD change case was evaluated by Elfin and
EGEAS for all three utilities. To make up for this loss in hydro production, the model called
on the least-cost new or existing resources to meet the capacity and energy deficiencies caused
by the decreased CROD allocations. Both present worth and annual levelized values were
developed for values in $/kW for capacity, $/mWh for energy, and composite values in $/mWh.
The differences in total cost between the CROD base case and the CROD change case reflect:
1) the cost of the 10 percent reduction in energy, 2) the cost of needing new capacity, and 3) the
cost of operating thermal units differently to make up for the 10 percent reduction.
The ATP results for the 10 percent decrease in CROD allocations are computed directly in
terms of average annual costs per kW and per kWh, total annual cost counterparts, and were
then adjusted to reflect a 50-year period.
CRSP Base Cases. In the CRSP base case, the CRODs were replaced with a portion of
actual hydro capacity and energy available from CRSP facilities. The actual hydro capacity and
energy varied from month to month and year to year with hydrologic conditions and dam
operating criteria. The ATP method was not used to evaluate CRSP cases because the ATP
method cannot deal easily with capacity and energy amounts that change on a month-to-month
basis.
Elfin was used to analyze one base case using CRSP generation data. This base case, run
for all three utilities, assumed interconnections and used the generation expansion plan derived
under the CROD base case.
EGEAS analyzed two base cases for Utility A, using CRSP hydro generation data. One
base case used a CROD-based expansion plan, the other base case used a second expansion
plan based on CRSP hydro data.
In the CRSP base case, utilities were required to take energy at a rate proportional to their
allocation of a 1,000 ft3/s release at all times during the winter season and 3,000 ft3/s at all
times during the summer season. Energy not taken as part of the minimum flow requirement
was scheduled on a load-following basis.
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CRSP Change Cases. The CRSP change cases tested three arbitrarily selected types of
revised dam operations using the CROD base case expansion plan: an increase of minimum
flow to 5,000 ft /s, an increase of minimum flow to 8,000 ft /s, and an hourly change case.
The hour-by-hour case involved restrictions on minimum releases, maximum releases, and
ramp rates. The restrictions varied on a monthly basis. Western calculated a pattern of hourly
releases which satisfied restrictions on releases to the greatest extent possible. This pattern of
hourly flows was used as the hydro input for EGEAS and Elfin.
In addition, EDF used the Elfin model's ramp rate algorithm to derive a second set of
hourly releases that met monthly restrictions on releases and minimized the cost of meeting
power demand. Use of this algorithm allows consistency between the CRSP cases in that
utilities can use the power optimally to meet their power demand. The Western hourly release
patterns, on the other hand, depend only on the utilities' allocations, not the shape of the load
curve.
Also, EGEAS was used to derive a second expansion plan and resulting system operating
costs based on the Western hourly generation data.
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SECTION 3: ESTIMATES OF THE ECONOMIC VALUE OF CHANGES IN DAM OPERATIONS

This section presents the estimates of the costs to the hypothetical system that resulted
from changes to the hydropower allocation of each utility in the system. The first part of
Section 3 discusses the costs of changing the CRODs. The second part discusses the costs of
changing the actual hydro generation patterns. The ATP method is discussed in the CROD
section only because the ATP method cannot be used to address questions dealing with the full
CRSP system. This section concludes with a comparison of these results.
Alternative Thermal Plant Method CROD Results
The alternative thermal plant method derives hydro values in three basic steps. The first
step identifies future thermal plant or plants that are likely to be displaced or postponed by the
development of the hydro plant, estimates the transmission requirements for comparable points
of delivery, and determines the fuel type appropriate to the thermal alternatives. The second
step derives the fixed capacity costs and variable energy costs for each thermal plant or plants
selected, including transmission. The third step adjusts the capacity and energy costs to reflect
the unique operating characteristics of a hydro plant and differences in operating plant factors
between the hydro plant and the alternative thermal plant. The adjusted fixed and variable
costs are, respectively, the capacity and energy components of the power value. The two
components can be combined into a single composite power value.
Selection of the Alternative Thermal Plant (Step 1). The appropriate alternative thermal
plant was selected based on the operating characteristics of the hydro facility, in this case, the
Glen Canyon Powerplant. The three basic types of thermal plants considered were: peaking
(combustion turbine), intermediate (either a combined cycle plant or a coal cycling plant), and
baseload (coal, lignite, or nuclear). The choice of which thermal alternative to select was
determined by matching as closely as possible the average annual plant factor of the hydro
facility and the alternative thermal plant.
For this study, transmission system cost was included in the total capital cost for each type
of plant. The transmission requirements depend on the type of thermal plant selected.
Baseload plants require investment in substation and transmission facilities. Intermediate and
peaking plants, particularly gas-fired plants, are assumed to be located near load centers, where
large additions to transmission facilities are not required.
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Derivation of Capacity and Energy Costs (Step 2). Capacity values, expressed in $/kW/yr,
are the sum of:

1.

fixed charges on the plant investment,

2. fixed fuel inventory cost,
3.

fixed O&M costs,

4.

administrative and general expenses, and

5.

transmission costs and losses to load center.

Energy values, expressed in mills/kWh, are comprised of variable O&M expenses and
variable fuel costs. The estimates for energy values are very sensitive to the cost of fuel and the
real fuel escalation (i.e. the future increase in the cost of fuel, above the general rate of
inflation).
Capacity and Energy Value Adjustments (Step 3). Federal guidelines for the evaluation of
hydropower using the ATP method allow adjustments to capacity and energy values to account
for differences between thermal and hydro plants. The three possible capacity adjustments are
for enhanced mechanical reliability, greater flexibility in operations, and availability of capacity
recognizing hydrologic dependability. In the case of the Glen Canyon Environmental Studies,
where the potential loss of capacity is a loss of capacity to supply firm loads, the adjustment for
hydrologic dependability is not made. This is because the "hydrological dependability" was
already considered in the development of the capacity to be marketed.
Energy adjustments are made to account for system production expenses being either
greater or lesser than if a particular thermal plant were added. System production expenses
vary if the system needs to make adjustments for difference between the plant factors of the
hydro and the alternative thermal plant. Assuming an alternative thermal plant would be
chosen with a similar plant factor as the hydro facility, this adjustment was not made in the
power value determination for the Glen Canyon Environmental Studies.
The capacity and energy values can be expressed as a single value in either $/kW/yr or
mills/kWh. To convert capacity values into mills/kWh the capacity rate ($/kW/yr) is divided by
the average plant factor (hours/year), converted from dollars to mills, and then added to the
energy value.
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Using the base case assumptions described in this report, Western determined power
values for conventional coal-fired, combined cycle, and gas turbine thermal plants using the
alternative thermal plant method. The supporting exhibit, with additional assumptions made,
are shown in Exhibit 3.1.
The composite rates for the three alternatives are:
Baseload (coal-fired)
Intermediate (combined cycle)
Peaking (gas turbine)

70.38 mills/kWh
80.57 mills/kWh
121.46 mills/kWh

These values represent the alternative thermal plant method determination of long-run
marginal costs as a measure of hydropower benefits. The total costs related to a change in
operations are shown in Table 3.1. These total costs are based on the selection of the
intermediate combined cycle thermal plant as the appropriate thermal alternative.

Modifications to the ATP Method
The results presented in the previous section represent a standard application of the A'
method. While it is impossible to make the ATP results completely comparable to the powe
system simulation modeling results, several adjustments can be made to attempt to reconcile
some of the differences between the methods. These adjustments address the simplified ma
in which the standard ATP application deals with plant replacement and fuel costs.
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Plant Replacement. The 50-year study period is longer than the life of thermal plants. For
example, the coal plant is depreciated over 30 years but is assumed to have a 35-year operating
life. The plant is replaced after 35 years, but has only a 30-year cost stream. The gas turbine
plant is replaced after 20 years, which happens twice during the study period. The combinedcycle plant must be replaced after 25 years, while the study assumption is that it is depreciated
over 30 years. Thus, there is an overlap period (years 2014 through 2018) when annual costs
are incurred for both the old and new plant. As will be seen in the Elfin and EGEAS models,
thermal plants are replaced when necessary. To modify the ATP method to reflect replacement
of plants, replacement costs (Exhibit 3.2) were calculated using the construction escalation rates
used in the EGEAS and Elfin studies. Consideration of replacement (as opposed to the use of
a fixed charge rate for 50 years) increases the capital costs of the combined-cycle plant by 29
percent.
Fuel Escalation. Similarly, the EGEAS and Elfin studies assume fuel and O&M expenses
continue to increase over the 50-year study period. These increases must be included in the
ATP method to ensure comparability with the Elfin and EGEAS results over the 50-year study
period. Based on the escalation rates used in this study, an appropriate escalation factor for
each cost component was calculated to use in the modification of the ATP method
(Exhibit 3.3). For example, the factor for natural gas, 2.806, indicates that the levelized natural
gas price over the 50-year study period is 2.806 times the 1989 price.
The calculated replacement costs, fuel costs, and O&M costs were used to derive revised
ATP intermediate capacity cost and energy tables (Exhibit 3.4 and 3.5). The results of the
modified ATP approach are summarized in Table 3.2.
Table 32: Modified Alternative Thermal Plant Method Results

Utility
A
B
C

System
Size
(mW)

900
300
100

Percent
Hydro
30%
10
40

Hydro

10 Percent
Change Associated
in Hydro Change in
Capacity
Energy

(mW)

(mW)

(mWh)

270
30
40

27
3
4

101,501
11,730
16,284

Annual capacity value equals $201.77/kW.
Annual energy value equals 82.87 mills/kWh.

I

Value
of Lost
Capacity

Value2
of Lost
Energy

Total Value
of Lost
Resource

$5,448,000 $8,411,000 $13,859,000
1,577,000
972,000
605,000
2,156,000
807,000 1,349,000
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Simulation Model CROP Results
While every attempt was made to use comparable inputs and assumptions, some
differences did occur. In addition, there are some features of each model that were not used.
These issues are discussed before the power system simulation model results are presented.
Differences Between Elfin and EGEAS. For capacity expansion planning, over the 20-year
planning period, the loads of the simulated utilities were assumed to grow at 2 percent per year.
Maintaining the specified reliability of the system led to an eventual need for additional
resources.
Elfin does not have an automatic capacity planning optimization algorithm, so the least-cost
expansion path was determined by trial and error in this study. Utilities could choose from the
previously defined set of future resources to minimize the present value of system cost over the
20-year planning plus 30-year extension period. In addition, because an interconnected system
was modeled, utilities could purchase energy and capacity if excess capacity or energy existed in
the hypothetical system. Firm purchases were considered as the first alternative to meet peak
load. If firm purchased power was not available, the other three thermal alternatives would be
considered for addition. A preliminary screening curve using the data provided for fuel costs
and heat rates for new resources indicated that a combined cycle plant would likely never be the
plant of choice to build. This finding was confirmed by trial Elfin simulations.
In the Elfin analysis, utilities were allowed to make seasonal, as opposed to annual,
capacity transactions. Each purchase .was made for six months, summer (April-September) or
winter (October-March), and assumed to be 100 percent capacity factor for that period.
Seasonal capacity transactions were hand-calculated for each utility so that no utility would have
to build additional capacity unless there was a systemwide capacity shortage.
Generation for each utility's own needs and economy energy transactions were simulated
by operating Elfin in a multi-area mode. In the multi-area mode, the three-utility system was
simulated by performing three stand-alone simulations (one per utility), and one interconnected
simulation. The interconnected simulation optimized the dispatch across utilities and thus
estimated all cost effective energy transactions when modeling hourly generation from CRSP
resources, the probability of outages were not incorporated.
For input to the Elfin model, the annual carrying cost for new capacity was calculated by
levelizing the construction cost in real terms. This is somewhat different than the typical
levelization practice. Under typical levelization, a fixed charge rate is used to determine a
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stream of payments that is the same every year, but which has the same present value as the
actual cost stream associated with the capacity investment. The actual cost stream declines
every year as a result of depreciation. Levelization in real terms finds a cost stream which
increases every year at the rate of inflation, but which also has the same present value as the
actual cost stream. Thus, the cost stream generated by the levelized-in-real-terms method is
constant in inflation-adjusted dollars.
Table 3.3 illustrates the three cost methods: actual costs, levelized costs, and levelized-inreal-terms costs. Actual total costs are the total of annual depreciation, interest, insurance, and
tax payments. The levelized cost stream is a series of fixed charges. The present value of the
stream of levelized costs is equal to the present value of the actual total costs. (The fixed
charge rate is the ratio of the level annual values to the initial capital cost: $10,010/$84,100 =
11.90%.) The levelized-in-real-terms cost stream is a series of charges that increases at the rate
of inflation (4 percent for this study). The present value of the levelized-in-real-costs stream is
also equal to the resent value of the actual total cost stream. Figure 3.1 graphs these three cost
steams.
In some analysts opinions, an advantage of the levelized-in-real-terms method is that it
reduces effects created by the end of the study period. If a plant is built (or rebuilt) near the
end of the study period, use of the actual cost stream would exaggerate the cost of the plant
compared to the plant's life-cycle cost, since only the high-cost early years of the plant's life
would be included in the study. The typical levelized cost stream also exaggerates costs
compared to life-cycle costs, although.not to such a great extent. The levelized-in-real-terms
stream has the benefit that the costs are more consistent with life-cycle costs when only a
portion of the plant's life is included in the study period.
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Given a menu of future resources, EGEAS optimizes the utility system's operation and
demand-side management options, and plant retirements and life extension options to determine
if additional capacity is required from new resources. Capacity needs can be met by building
new capacity or by making a one-year purchase of capacity if extra capacity is available in the
system. One-year purchases can be measured against other long-term resources.
Utilities A, B, and C were modeled as interconnected, which allowed measurement of
economy energy transactions, energy diversity, and firm purchased power and sales transactions
between the three simulated utilities. The inter-utility transactions were modeled without
transmission constraints. The economy energy transactions modeled in this study were valued
on a split savings basis where the savings were shared among the utilities.
Elfin CROD Base Case Results. The characteristics of the hydro firm contracts are
represented in the Elfin model as a pondage hydro resource. The features of a pondage hydro
resource correspond closely to the features of the actual post-89 CRSP contracts. First, in each
month, the firm contracts specify a given amount of energy and a maximum capacity for each
utility. These correspond to the monthly hydro energy and capacity allocations. Second, the
firm contracts specify a minimum rate of delivery (the 35 percent minimum). This corresponds
to the hydro minimum, or "run-of-river" capacity. Finally, utilities schedule remaining power to
best suit their needs. This corresponds to the "peak-shaving" hydro algorithm used in the
simulation models to schedule the limited amount of hydro-type energy.
Expansion Plan. Each hypothetical utility's capacity needs were determined by the
requirement that the 20 percent reserve margin criterion be met given the capacity provided
under the hydro CRODs. If a capacity purchase could be made, such capacity purchases were
made before any additional capacity was built. Under the base case contracts, Utility A begins
to buy additional capacity beginning in 1994 (See Exhibit 3.6). By 1998, no capacity is available
for purchase, so Utility A must build new capacity to maintain the 20 percent reserve margin.
By the end of the planning period (2008), Utility A has built 300 mW of new capacity of which
100 mW are CFB and 200 mW are combustion turbines. Utility B has a winter peak, while
Utility A's peak is in the summer. Thus, Utility B, which needs capacity beginning in 1999, is
able to buy capacity in the winter from Utility A. Since Utility B is relatively small compared to
Utility A, Utility B can always buy the additional capacity it needs from Utility A and never has
to build new capacity. Utility C always has excess capacity, and makes a constant 10 mW (80
percent capacity factor) sale outside the system, as well as capacity sales to Utility A in summer
when Utility A cannot buy as much as it needs from Utility B.
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Production Costs. In the production cost simulations, all minimum constrained units (i.e.
coal units) were considered to be must-run units with the exception of Utility A's coal unit No.
3. In preliminary simulations, with this unit forced to run, Utility A was "spilling" its minimum
CRSP contract energy (Exhibit 3.7). In order to avoid such unrealistic operating decisions, this
unit was not run until the year in which it was cheaper to operate with this unit than without it.
In 1993, it was cheaper to operate the system with coal unit No. 3 and, due to load growth,
there was no longer a hydro spill. Therefore, this unit was specified to be a must-run unit
beginning in that year.
Nevertheless, assumptions of the study forced Utility A to spill small amounts of hydro
energy in the period 1994-2000. These spills occurred in low load months (e.g. April) when the
sum of the minimum blocks of its coal plants plus the 35 percent of its hydro capacity was
greater than the minimum load. Use of Elfin's commitment algorithm would eliminate this
discrepancy, and reduce overall costs by allowing some coal units to be shut down during times
when they were not needed.
The escalation rates of oil and gas are high compared to coal, which has large impacts on
overall cost, particularly in the later years of the study. System B's combustion turbines run on
oil, which is even more expensive than gas under the assumptions of this study. In Utility B's
stand-alone (without interconnection) run in 2008 combustion turbines accounted for 41 percent
of the cost, but only 8 percent of the energy (Exhibit 3.7). In the combined-pool run (with
interconnection), costs for Utility B were reduced by economy transactions which displaced the
need for generation from Utility B's combustion turbines. Thus, economy transactions reduced
Utility B's production costs by 13.8 percent, from $97.37 million to $83.93 million in 2008.
Cost Summary. Exhibit 3.8, the cost summary, reflects only the effects of capacity and
energy delivered under the firm contracts. For the base case, the cumulative present worth
values for Utilities A, B, and C are, respectively: $1,703 million, $620 million, and 96 million.
Elfin CROD Change Case Results. Exhibits 3.9, 3.10, and 3.11 show the impact to power
values under the change case contracts, which reduce firm hydro capacity and energy by 10
percent. In the change case, Utility A needs to build more capacity and install it earlier than in
the base case. For example, Utility A begins to purchase capacity in 1992. In 1997, Utility A
begins to build capacity, eventually adding a total of 125 mWs of CFB capacity and 225 mWs of
CT capacity. Utilities B and C, however, do not have to install any capacity, as was true in the
base case. Thus, a total of 350 mW of capacity were added in the change case compared to 300
mW in the base case because both utilities purchase capacity from Utility A. The additional 50
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case.
Table 3.4: Elfin Results-CROD Hydro Data With Interconnection1

Base Case
Change Case
2
Difference

Utility A

Utility B

Utility C

$1,703.81

$620.20

$ 95.93

1,819.58

621.62

104.31

115.77

1.42

8.38

Expressed in millions of dollars of present value cumulative over a period of 50 years.

2

Difference between base case, representing current conditions, and the change case,
representing a 10 percent reduction in the CROD.
EGEAS CROD Base Case Results. EGEAS was given the same contract rate of delivery

(CRODs) energy and capacity limits, and minimum capacity factor (35 percent) that were used
in the Elfin runs. As in the Elfin model, the contract hydro data were then dispatched by
EGEAS to minimize overall production costs.
A base case for each utility was run interconnected with the remaining two systems,
resulting in three CROD base case runs. Utility A was interconnected with Utilities B and C
and used the contract rate of delivery (CROD) as one generation resource for each of the
utilities. Utility B was interconnected with Utilities A and C, also using CROD hydro data. In
the third run, Utility C was interconnected with Utilities A and B, again using CROD hydro
data.
Each utility's system generation expansion plans were optimized by simulating all possible
combinations of generation alternatives to meet a certain reliability criteria and to minimize
system costs. The EGEAS program determined whether or not the reserve margin criterion of
20 percent could be met in each year of the study period. If the criterion could not be met, new
generation capacity was added to the existing generation resources. The optimization routine
continued in this manner until the end of the study period. The program then retraced the
calculations to confirm that decisions made in the early part of the study period were still the
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most economic choices over the long run. For the hypothetical system, it was also assumed that
each of the three systems would buy power from each other until the excess capacity was no
longer available.
Capacity transactions for the three utilities are summarized in Table 3.5. Utility A buys
from Utilities B and C in the summer period, Utility B purchases from Utilities A and C in the
winter season, and Utility C does not require any additional capacity. After the excess capacity
was used, the utilities were allowed to select from the three generation alternatives. Since the
increments of new resources were small, utilities were not allowed to purchase power from each
other's new units. Since EGEAS dispatches Utilities A, B, and C simultaneously with the
derivation of the expansion plan, the sales and purchases from one system to another must be
revised in subsequent EGEAS runs.
Expansion Plans. The resulting EGEAS expansion plans are shown in Exhibit 3.12,
including the mix of future generation plants, reserve margins, purchases and sales for Utilities
A, B, and C, loss-of-load probabilities (LOLP) and unserved energy percentage. The first two
columns of the expansion plan table show the study period years and the total existing
generation capacity for each utility. The next three columns show the new generating units
(CFB, combustion turbine, and combined cycle) that could be added under the base case
assumptions. The sixth column (labeled "purchases") is the capacity purchased from the other
systems. Off-system sales and in-system sales are shown in the next column. The preceding
columns are then summed (with the exception of sales) in the Total Capacity" column. Since
the purchases and sales represent transactions for a one-year period and are not cumulative,
they are subtracted out of the total capacity column each year. The ninth column, Total Peak
Load," represents the peak load of the utility and is compared to the total capacity in order to
compute the percentage reserve margin which appears in the column, "Reserve Margin." The
next column, "LOLP," is the percentage of the time that the system is expected to not meet
customer demand. If the LOLP percentage is multiplied by the number of hours in a year, the
result is the number of hours per year the system would not meet its load. The last column,
"Unserved Energy," is the percentage of time the system's generating units cannot meet the
energy required.
Utility A begins to purchase capacity from B and C in 1993, and begins to add capacity in
1998. Combustion turbine and CFB capacity is selected to meet the deficit. A total of
325 mW of additional generating capacity is required over the study period (1989-2008). Of the
total 325 mW, 50 mW is CFB capacity, and 275 mW is CT capacity.
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In Utility B's configuration (including interconnections with Utilities A and C), there is
sufficient capacity until the year 2004, after which new units have to be added to meet increased
demand. Utility B's expansion plan (Exhibit 3.12) shows that it can purchase from Utilities A
and C throughout the study period, but supplemental CT (25 mW) capacity would be required
in each of the years 2004, 2005, and 2008.
Utility C's expansion plan consists only of an off-system sale of 10 mW which is in place
throughout the study period. No additional capacity is required to meet a 20 percent reserve
requirement. Utility C also has capacity which can be used by Utility A, which is reflected in
the "Sales" column, along with the 10 mW off-system sale.
Production Costs. A summary of the production cost components for Utilities A, B, and C
is shown in Exhibit 3.13. This exhibit reconciles the total energy produced by each of the
utilities in the base case. These components are divided into the various fuel categories:
Western contract hydroelectric data, coal-fired, gas-fired, oil-fired, purchased power, sales,
unmet energy, and economy energy. The total system energy is a calculation which sums all of
the generation-type components, including unmet energy, less the sales. The cost for these
components is reported in this exhibit. The EGEAS model calculates economy energy
transactions by determining whether one utility (i.e. Utility A) can benefit from purchasing from
Utilities B and/or C on an economy basis. If it costs less to purchase than produce, the
generation on the utility's own units is decreased accordingly. To derive the economy
interchange transactions, EGEAS first computes an independent dispatch for the individual
utility. The model then computes a dispatch for the three utilities together and determines
another dispatch for Utility A which takes into account the economy transactions that have
occurred between Utilities B and C. The energy and cost of that energy is reported in the
unserved energy and economy interchange columns. In some years, EGEAS reported that the
economy transactions were not cost beneficial, but for this study, these transactions were not
removed. Thus, in some years, the cost under the interconnected system is actually higher than
the cost under the independent dispatch.
Cost Summary. The annual costs for the optimized plan were then calculated for each of
the three utilities (Exhibit 3.14). These costs included total fuel, variable operation and
maintenance (O&M) costs, and fixed costs (carrying charges and fixed O&M) for new capacity
additions.
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Variable costs (fuel and variable O&M), fixed costs (capital costs and fixed O&M), and
total costs are shown for each year of the 20-year period (1989 through 2008), plus the
30-year extension period. The extension period was included in order to complete the 50-year
period of analysis. The relative magnitude of the annual system costs and the relative weights
of the two components of fixed and variable costs is interesting, because it reflects the
importance of future fuel costs. The total present worth of revenue requirements (PWRR) for
Utility A is $1,669 million without any interconnections and $1,610 million with the
interconnections to Utilities B and C. Thus, there is a savings of $59 million attributable to
economy energy transactions. The PWRR for Utility B without and with interconnections are
$589 million and $546 million, respectively, resulting in a savings of $42 million due to the
interconnection. On page 3 of Exhibit 3.14, the interconnection savings of $56 million for Utility
C are quite substantial given the relatively small size of the utility (derived from Utility C's total
PWRR figures of $150 million and $94 million for the two scenarios).
EGEAS CROD Change Case Results. As for Elfin, the hydro data for Utilities A, B, and C
was revised to incorporate a 10 percent reduction in capacity and energy. Each utility's
generation expansion plans were again optimized using EGEAS's dynamic programming
capabilities. In the change cases, the EGEAS program determined whether or not the reserve
margin criterion of 20 percent could be met in each year of the study period and also the LOLP
criterion determined from the relevant base case. The LOLP criteria were established by
examining the base case runs to determine what the equivalent LOLP would be to a 20 percent
reserve margin. For Utility A, it was found to be 240 hours per year, for Utility B, 211 hours,
and for Utility C, 665 hours. If the LOLP criterion could not be met, new generation capacity
was added to the existing generation resources. The reason the LOLP criterion was used was
that a change in the energy distribution of a hydro unit may not affect the peak hour, but would
diminish the reliability of the system in other hours. The LOLP measurement reflects this
change.
It was also assumed that each of the three systems would buy power from each other until
the excess capacity was no longer available or no longer economical. Utility A purchased much
more from Utilities B and C in the summer period than in the base case, Utility B purchased
slightly more from Utilities A and C in the winter season, and Utility C purchased 2 mW from
Utility B the last year of the study period. After the excess capacity was used, the utilities were
allowed to select from the three new generation alternatives, which were all sized at 25 mW
increments to reflect the possibility of joint ownership.
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Expansion Plan. The resulting additional capacity derived from the EGEAS expansion
plans for the change case is compared to the base case in Figures 3.2 through 3.4. The derived
expansion plans, including the mix of future generation units, reserve margins, purchases and
sales for Utilities A, B, and C, loss-of-load probabilities (LOLP) and unserved energy
percentage are shown in Exhibit 3.15. For Utility A, the purchases from the other systems are
required to start a year earlier than in the base case, and additional generation capacity is
added in 1997, also a year earlier. Combustion turbine and CFB capacity is selected to meet
the deficiency, because adding a combustion turbine in 1991 is less costly than purchasing. A
total of 350 mW of additional generating capacity is required over the study period, or 25 mW
more than the base case. Additional purchased power was also required in several years.
Utility B's configuration (including interconnections with Utilities A and C), shows
sufficient capacity in this system until 1996 when it must begin to purchase additional capacity.
Utility B's expansion plan shows that it can purchase from Utilities A and C throughout the
study period, but supplemental CT (25 mW) capacity would be required in the years 1999, 2004,
and 2007. The change in the CROD contract resulted in adding generating capacity five years
earlier, and increased the purchases Utility B made from the other two utilities.
Utility C's expansion plan consists only of an off-system sale of 10 mW which is in place
throughout the study period. Because of the off-system sale and the change in the CROD,
Utility C must purchase from Utility B, in the last year of the study period. Utility C also has
capacity which can be used by Utility A, which is reflected in the "Sales" column, along with the
10 mW off-system sale.
Production Costs. A summary of the production cost components for Utilities A, B, and C
is shown in Exhibit 3.16. These exhibits reconcile the total energy produced by each of the
systems. The energy usage by fuel type and the cost of this energy, assuming the hypothetical
system configurations, are illustrated in Figure 3.5 and Figure 3.6, for Utility A. The energy
usage changes are primarily reflected in more coal-fired generation. The total cost component
for economy interchange purchases substantially increases towards the end of the study period
due to the decrease in hydro energy. Figures 3.7 through 3.10 report similar results for Utilities
B and C.

56
Cost Summary. The annual costs for the optimized plan were then calculated for each of
the three utilities. These costs included total fuel, variable operation and maintenance (O&M)
costs, and fixed costs (carrying charges and fixed O&M) for new capacity additions (Exhibit
3.17). The total present worth of revenue requirements (PWRR) for Utility A are $1,759
million without any interconnections and $1,699 million when the interconnections to Utilities B
and C are included (Tables 3.6 and 3.7). Thus, there is a savings of $60 million attributable to
economy energy transactions, and a cost of roughly $89 million attributable to the change in the
CROD.
The PWRR for Utility B without interconnections is $656 million and with
interconnections, $563 million. A savings of $93 million is due to the interconnection. A cost
difference of $17 million interconnected to $67 million non-interconnected is caused by the
change in the Glen Canyon Dam operation. The total PWRR for Utility C is $161 million
without interconnection and $104 million with interconnection resulting in a difference of $1.2
million attributable to interconnections.
Table 3.6: EGEAS Results-CROD Hydro Data With Interconnection

Base Case
Change Case
2
Difference

Utility A

Utility B

Utility C

$1,610.25

$546.06

$ 93.55

1,699.20

563.46

103.94

88.95

17.40

10.39

Expressed in millions of dollars of present value cumulative over a period of 50 years,
Difference between base case, representing current conditions, and the change case,
representing a 10 percent reduction in the CROD.
Table 3.7: EGEAS Results-CROD Hydro Data Without Interconnection

Base Case
Change Case
2
Difference

Utility A

Utility B

Utility C

$1,668.90

$588.81

$149.57

1,759.10

655.56

161.16

90.20

66.75

11.59

Expressed in millions of dollars of present value cumulative over a period of 50 years,
Difference between base case, representing current conditions, and the change case,
representing a 10 percent reduction in the CROD.
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Exhibit 3.18 summarizes the year-by-year costs attributed to the change in the CRODs for
the three utilities without and with interconnection. The base case results are compared to the
change case in order to calculate a difference in total costs. These differences are positive when
the change case has resulted in increased costs. All three utilities experienced an increase in
costs as a result of the 10 percent decrease in CRODs. The difference in costs for capacity and
energy are then divided by the 10 percent change in capacity and energy to derive the dollar per
kW and dollar per mWh costs. A levelized cost over the study period is then calculated.
Figures 3.11 through 3.13 present average utility costs for Utilities A, B, and C with
interconnection.
Without any interconnections, the levelized cost increase due to the 10 percent reduction in
the CRODs over the 50-year period is $82.14 per mWh for Utility A. With interconnections,
this amount drops to $81.0 per mWh. Without any interconnections, the levelized annual cost
increase for Utility B is $216.5 per mWh, and $137.1 per mWh with interconnections. The
levelized cost increases for Utility C are $65.8 and $64.1 per mWh for the without and with
interconnection scenarios, respectively.
Simulation Model CRSP Results
The ATP method measures power values by assuming a utility responds to a reduction in
available capacity or energy by building new capacity. Under the CRSP description of the hydro
allocations, each utility's available hydro resource varies each month or each hour.
Consequently, the ATP method was not used to measure power impacts of changes in the CRSP
hydro allocation.
Elfin CRSP Base Case and Change Case Results. For the CRSP scenarios, each utility was
assumed to have the same CROD and associated energy as in the CROD base case. In the
CRSP scenarios, Western was assumed to buy energy to meet its contracts during dry years. In
wet years, Western was assumed to make extra energy available to the three utilities. All of
these transactions are non-firm transactions. The comparisons shown in Exhibit 3.19 reflect the
difference between the CROD dispatching assumptions and the CRSP dispatching assumptions.
In each case, these tables show the net transactions each utility makes relative to the CROD
dispatch.
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Changes in Thermal Generation. Exhibit 3.19 shows non-firm transactions for each utility as
changes in thermal generation. For example, the first page shows the annual net difference in
thermal generation for each utility between the base case CROD scenario (firm transactions
only) and the base case CRSP generation simulation (including non-firm transactions). In 1989
(a wet year), Utility A's coal plants produced 155 GWHs (gigawatt-hours) less and cost $2.67
million less than they would have if they had had only firm contract energy and capacity. In
1993 (a dry year), Utility A's coal plants produced 154 GWHs more, and sold the surplus to
Western for $3.34 million.
Western transactions are assumed to be made at the utility's cost. Thus, Western
purchases coal energy at the utility's cost of production. Similarly, if Western sells energy to the
utility which displaces combustion turbine generation, the utility will pay Western the value of
the saved energy. This provides a simple method for estimating the value of Western's economy
transactions.
Exhibit 3.19 also shows the total surplus (or deficit) energy that Western sells (purchases)
through non-firm transactions, and the net revenues (expenditures) that Western makes. The
total surplus energy figure is the negative of the sum of the changes in utility thermal
generation. That is, net Western surplus sales result in net decreases in utility generation. Note
that it is possible for Western to have positive net revenues even though it has a slight energy
deficit, as occurs in the base case in 2005. This is because Western has additional flexibility in
making non-firm transactions. Western can buy inexpensive off-peak coal energy and displace
relatively expensive on-peak combustion turbine energy.
Savings and Costs. Exhibit 3.20 shows how the net revenues from Western's non-firm
transactions affect each utility. The net savings and costs either impact the firm power rate or
directly benefit the utility if surpluses are sold at the low firm power rate. The allocations of
the savings and costs to each utility are based on their firm power allocations; half of the
allocation goes to capacity, half to energy and each half is in turn allocated to each utility
according to its portion of the total marketed amount.
Utility Costs After Impacts. Exhibit 3.21 adds the reductions in firm power rate as a result
of Western transactions to total cost results obtained from the contract runs. Base case contract
results are added to results obtained from current operations of the dam, and alternative case
contract results were added to results obtained from each alternative method of operating the
dam (Table 3.8).
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Table 3.8: Elfin CRSP Results-Net Annual Surplus Redistributed1
Utility A

Utility B

Utility C

$1,767.70

$626.70

$105.88

5,000 ft3/s minimum

1,816.23

621.29

103.80

8,000 ft3/s minimum

1,847.22

624.41

108.58

Hourly Western2

1,784.33

618.08

98.89

Hourly EDF2

1,779.77

617.62

98.18

Base Case CRSP

Expressed in millions of dollars of present value cumulative over a period of 50 years.
2

The results of the hourly cases are not comparable to the other cases because a different
hydrology-with different average hydro energy-was used.

Cost Differences with Net Annual Surplus Redistributed. Exhibit 3.22 show the present value
of the difference in cost between each alternative case and the base case. Utility A bears the
brunt of the economic burden, not only because it is the largest, but because it is the only utility
that must build additional capacity according to the parameters of the study. Also, in some
years, Utilities B and C appear to benefit from the change in operations of Glen Canyon Dam.
This result is because the assumptions of the prototype study forced utilities to make losing
capacity sales for the benefit of the others, and in the alternative case, the extent of these
uneconomic sales was reduced.
Cost Differences with Net Annual Surplus Sold Out of System at Zero Cost An agreement
was made to reproduce Exhibits 3.20 through 3.22 with $0 in the "Savings/Costs" column
whenever the actual dam operations simulation indicated a net benefit over the contract run.
These new exhibits are Exhibits 3.23 through 3.25. This was done principally so that Elfin and
EGEAS results would be more comparable. It should be recognized that the "Savings/Costs"
column are net annual figures; that in many years, the utilities are impacted both by Western's
purchase of thermal energy off-peak and sale (surplus) of hydroelectric energy on-peak. Merely
setting the positive numbers to zero is not really equivalent to selling all surplus energy outside
the system at a price of 0 mills/kWh.
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For the 5,000 ft3/s minimum change case (Table 3.9 and Exhibit 3.24), the present value of
utility costs is $1,861.99, $625.90, and $110.86 million for Utilities A, B, and C respectively. For
the 8,000 ft3/s change case, the present values are $1,888.44, $628.56, and $114.94. For the
hourly change case using Western's data, the present values are $1,843.25, $624.01, and $107.97.
For the second hourly change case using EDF's hydro algorithm, the present values are
$1,842.02, $623.89, and $107.78 million.
Table 3.9: Elfin CRSP Results-Net Annual Surplus Sold Out of System at Zero Cost1

Expressed in millions of dollars of present value cumulative over a period of 50 years.
2

• The results of the hourly cases are not comparable to the other cases because a different
hydrology~with different average hydro energy-was used.

EGEAS CRSP Base Cases Results. Actual CRSP generation data were entered as a
second dispatch alternative in order to reflect changes in operations to quantify 5,000
8,000
minimum and hourly releases. Monthly and hourly change in a resource can be
handled by EGEAS along with the thermal unit's associated probability of an outage. Six cases
were run using simulated CRSP generation data. Two base cases assumed current operation of
the dam. The difference between the two base cases was that the first base case assumed a
generation expansion plan based on CROD capacity, while the second case assumed a
generation expansion plan based on the actual CRSP data. The next three cases were change
cases, and imposed a 5,000
minimum, an 8 , 0 0 0 m i n i m u m , as well as an hour-by-hour
generation scenario (all based on the CROD expansion plan). The last change case simulated
the hour-by-hour generation scenario again while deriving a new expansion plan. All cases
examined by EGEAS focused on Utility A interconnected with Utilities B and C.
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The reasoning behind making a run based on the CRSP dispatching assumptions was to 1)
capture the capacity impact to Western's customers due to a change in hydro availability,
assuming the contracts no longer would apply, and also to 2) quantify the impact if the contracts
were kept in place with just a reduction in capacity. The results derived from these cases would
represent the economic cost to Western's customers if the contracts were no longer in place and
the additional cost that Western would have to pay outside power sources to maintain the power
contracts' CRODs.
Expansion Plan. The expansion plan for the second base case showed that a total of 275
mW of new CTs would be required in addition to purchased power. The purchased power
totaled 224 mW of one-year purchases. Comparing this to the Utility A expansion plan based
on the CROD data, the same amount of CT capacity was added. However, the CROD
expansion plan added 50 mW of CFB capacity and 656 mW of one-year purchases, or 332 mW
more than the CRSP-derived expansion plan.
Cost Summary. The cost summary results for the CRSP base case using the CROD derived
expansion plan are presented in Exhibit 3.27. The total system cost without and with the
interconnection are presented. The total present worth of revenue requirements (PWRR) for
Utility A are $1,718 million without any interconnections and $1,683 million with the
interconnections to Utilities B and C. Thus, there is a savings of $35 million attributed to the
economy energy savings. The cost summary results for the second base case using the
reoptimized expansion plan are presented in Exhibit 3.28. A comparison of the total costs can
be made for the Utility A between the CROD and CRSP base cases. Without interconnections,
a total PWRR cost difference of $.2 million is calculated. Assuming the system is
interconnected, the cost difference increases to $ 14 million because of the loss of potential sales
to Utilities B and C.
EGEAS CRSP Change Case Results. For EGEAS, several change cases based on CRSP
hydro data were completed for Utility A, as listed below.
1. Utility A, assuming CROD derived expansion plan* interconnected with Utilities B and
C and using CRSP hydro data reflecting a 5,000 fr/s minimum.
2. Utility A, assuming CROD derived expansion plan, interconnected with Utilities B and
C and using CRSP hydro data reflecting a 8,000 ft3/s minimum.
3. Utility A, assuming CROD derived expansion plan, interconnected with Utilities B and
C and using CRSP hydro data reflecting an hourly change scenario.
4. Utility A with an optimized expansion plan, interconnected with Utilities B and C and
using CRSP hydro data reflecting the hourly change case scenario.
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Cost Summary. The cost summary results for the first three change cases using the CRODbased expansion plan are presented in Exhibit 3.29 and summarized in Table 3.10. The total
utility revenue requirements with and without the interconnection are presented. For a 5,000
minimum flow, the total present worth of revenue requirements for Utility A is $1,788
million without any interconnections, and $1,750 million with the interconnections to Utilities B
and C. For an 8,000
minimum flow, the total present worth of revenue requirements for
Utility A are $1,811 million without any interconnections, and $1,769 million with the
interconnections. For the hourly change case, the total present worth of revenue requirements
Utility A is $1,833 million without any interconnections. Exhibit 3.26 summarizes the
production cost components and the levelized annual and year-by-year costs for the 5,000
8,000
and Western's hourly change case based on the CROD derived expansion plan.

Change Case Results-CRSP-Based Expansion Plan. The Utility A expansion plan derived
from the CRSP information for the hourly change case showed that additional CT capacity and
purchased power would be required. The total present worth of revenue requirements for
Utility A in the hourly change case are $2,034 million without any interconnections and $1,981
million with the interconnections to Utilities B and C (Table 3.11 and Exhibit 3.31). Comparing
these figures to the CRSP optimized base case, cost differences of $316 and $312 million are
derived. Thus, the cost differences using the actual hydro data are much higher than the costs
derived from the CROD data.
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Expressed in millions of dollars of present value cumulative over a period of 50 years.
The results of the hourly cases are not comparable to the other cases because a different
hydrology—with different average hydro energy-was used.
Difference between base case using a CRSP-based expansion plan and Western's hourly
change case using a CRSP-based expansion plan.
Differences in Results. The results are presented in Table 3.12 for ATP first, Elfin second,
and EGEAS third, as in the results section. The results are also separated into CROD change
case and CRSP change case sections. For purposes of simplicity, only the results from the
interconnected scenarios are listed. For both EGEAS and Elfin, in the CRSP cases, the results
are presented for the largest utility, Utility A.
For the ATP method, most of the comparisons are not applicable (NA) because the ATP
method does not calculate a base case and a change case and because ATP cannot accept hourly
or monthly hydrologic data as input. The ATP costs presented in this table are based on the
modified ATP method. These costs represent the present value of a 50-year stream discounted
at 9.125 percent. For Elfin and EGEAS, differences are calculated as the difference between
the base case and the change case. The additional Elfin hourly change case is labeled "Hourly
EDF." EGEAS results based on optimal expansion plans for the CRSP data are presented in
the last three lines of Table 3.12.
The differences between the methods can be seen by comparing the differences in costs.
Over a period of 50 years, Elfin calculates the cost to the system of a 10 percent CROD
reduction as $125.57 million. EGEAS calculates the cost as $116.74 million. These costs are
within 8 percent of each other. In the Elfin results, the relatively low cost to Utility B of a 10
percent reduction in CROD is at least partly a function of the fact that during the Elfin analysis,
Utility B was able to make seasonal capacity purchases from Utilities A and C, thus avoiding
the expenses of building new units.
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In the CRSP cases, Elfin calculates the cost to the system of a 5,000
change as $65.60
million; EGEAS calculates the same cost as $67.52 million. For a change to an 8,000
minimum, Elfin estimates costs of $92.05 million, while EGEAS calculates a cost of $86.41
million.
The hourly change cases are not comparable to the other change cases (5,000 and 8,000
minimums) because a different hydrology-with a different average hydro energy-was used
in the hourly cases. Western provided only ten years of data (representing 1990-1999) for the
hourly change cases, while 20 years of data were provided for the other cases. In addition, part
of the differences between Elfin and EGEAS in the hourly Western change case is due to a
difference of choice of year used to calculate the extension period. One year of hydrology was
chosen to be repeated for each of the 30 years of the extension period. The Elfin and EGEAS
analysts did not use the same year for the extension period.
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SECTION 4:

CONCLUSIONS AND RECOMMENDATIONS

Conclusions and Recommendations
Ability To Represent the Power System. Power systems simulation models have a distinct
advantage over the alternative thermal plant method because they explicitly incorporate
important physical and temporal dimensions of power production and consumption that are
either ignored or assumed away under the ATP method. These simplifications make the ATP
method practical and easy to apply. These factors may support the use of the ATP method for
measuring the power value impacts associated with reconnaissance studies and relatively small
hydro facilities. For comparisons of the ATP method to power system simulation models, it is
possible to modify the ATP method so that it corresponds more accurately to the data
requirements of a system planning model. In this 50-year study, modifications to the ATP
method allowed the use of current year (inflated) values for a thermal generating resource over
the life of the plant, current-year values for replacement thermal generators over the 50-year
study period, and current-year values for fuel costs. These values were then discounted to their
present value using a nominal discount rate as opposed to the standard ATP method of
estimating the real value of a thermal generator in current-year dollars.
While the modified ATP method more accurately parallels the approach of a power system
simulation model, Western believes these modifications are inconsistent with ATP's basic
methodology as outlined by the U.S. Water Resources Council and the Federal Energy
Regulatory Commission, and may be inappropriate. Furthermore, there are important issues
with which neither the standard ATP method nor the modified ATP method can address. In
summary, we feel that the ATP method is not appropriate in the context of a large hydro facility
such as Glen Canyon Dam.
During this study, both EGEAS and Elfin demonstrated the ability to incorporate essential
features of power systems, including current resources, potential resources, system
interconnections, and system operating constraints such as reserve requirements. In addition,
both EGEAS and Elfin demonstrated the ability to model the impacts to the hydro resource as
either changes in firm energy contracts or available hydro capacity and energy. There are,
however, some differences between the two models in the details of how some of these issues
are addressed (Table 4.1). One important difference is the ability of EGEAS to generate
optimal capacity expansion plans as part of the model output. In this study, we found a slight
difference between the expansion plan selected by EGEAS, and the expansion plan selected to
be used in conjunction with the Elfin model. Whether this difference is due to differences in
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assumptions used by the EGEAS and Elfin analysts regarding capacity transactions between the
individual utilities, or due to the difficulty of choosing an optimal expansion plans by trial and
error in production cost models was not determined. It should be noted that the difficulty of
determining the optimum expansion plan increases with the complexity and the number of
systems modeled. It is likely that the actual power systems studies conducted as part of GCES
have the potential to involve significantly more complex systems than were used in this study.
Consequently, the ability to calculate the least-cost expansion plan may be very important in
future studies to measure the value of capacity.
One difference between Elfin and EGEAS in this study was the use of an Elfin routine to
simulate the dispatch of hydro in the case where there were restrictions on the ramp rates. (In
the EGEAS hourly runs, release patterns were supplied by Western.) Elfin's ramp rate
algorithm optimizes the use of hydro energy to meet utility loads while still meeting the
restrictions on ramp rates. The GCES Environmental Team has made it clear that the
restrictions on ramp rates may be an important feature of dam operation scenarios that might
be proposed. Consequently the impact of restrictions on ramp rates on power values will be
important as well. The calculation of release patterns satisfying the ramp rate restrictions will
be required for any analysis of operations involving ramp rate restrictions. We believe it makes
sense to have these release patterns be calculated as part of the power system simulation
modeling. Future power economic studies should in EGEAS could include the use of Elfin's
ramp rate algorithm to determine release patterns.
Finally, EGEAS and Elfin produced similar estimates of the economic impacts to power
from a wide variety of changes in operations at Glen Canyon Dam. Consequently, we feel that
both EGEAS and Elfin are satisfactory methods for producing reasonable and credible estimates
of economic impacts.
Implementation Considerations. The ATP method demonstrates a clear cost and practical
advantages over the two power systems simulation models used in this study. Since so many
assumptions are used there is very little in the way of data to collect for the implementation of
an ATP study relative to a power systems simulation model. The data requirements for the
implementation of production cost models and generation expansion models are very similar.
The best data on which to base power system simulation models are the actual load and
generation capacity data for the system being modeled. Such data are generally made available
when a utility conducts a study. However, this type of proprietary data may be difficult to
obtain in the context of the Glen Canyon Environmental Studies (GCES). In the absence of
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proprietary data, power systems simulation models are generally based upon publicly available
information about the system being modeled.
In addition, because of its simplicity and spreadsheet orientation, the ATP would represent
substantial cost savings over the use of a power system simulation model. The major cost of
implementing a power system simulation model is associated with data collection and conducting
a base case run. This cost could range from $5,000 to $20,000 per utility modeled. This
difference in the range of costs for simulation models is a function of the availability of the data
and the complexity of the utility that is being modeled. Once the model has been benchmarked
and the base case analyzed, additional analyses could be performed for approximately $2,000
each. This $2,000 would cover computer time, summaries of output, and simple spreadsheet
analyses of the output.
Flexibility to Handle Change Cases. Both Elfin and EGEAS demonstrated the ability to
handle the variety of change cases examined in this study. This flexibility is important because
the exact nature of changes in operations to be evaluated during the GCES is not known at this
time. In addition to be sufficiently flexible to handle change cases both EGEAS and Elfin
demonstrated the ability to deal with firm as well as non-firm transactions. The ATP method
on the other hand typically can only handle change cases described in terms of the impact to a
contract. In addition the ATP method could not be used to understand non-firm hydro
transactions.
Recommendations. We recommend that both EGEAS and Elfin be used to conduct studies
of the impacts of potential changes in operations at Glen Canyon Dam and that both models be
run by the same consultant to assure consistency. Use of both models will ensure that the
advantages of each model will be fully utilized, and that all data and results will be verified by a
second party. This recommendation should be reviewed periodically to assure that it is
consistent with the overall study objectives.
Other Issues
During the course of this study many simplifying assumptions were made to facilitate the
evaluation of methodologies. All of these issues must be explicitly addressed in any further
studies.
Marketable Capacity and Energy. Current operations at the dam are determined by the
joint effect of Western's contracts for CRSP power, monthly release volumes set by Reclamation
and the ability of Western to purchase off-peak power. Contracts, on the other hand, are
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determined by Western through studies of marketable resources. Presumably for any change in
operations, Western would conduct a marketable resource study to determine the marketable
capacity and energy under the new operating rules. Changes in operations may have an effect
on the energy Western can or would market but would not have any impact on the total energy
available. That is to say, there is a potential that by reducing marketable on-peak energy,
Western would have more (on average) non-firm energy for sale. In any further studies, the
determination of the marketable resource must be incorporated.
Non-Firm Sales and Purchases. In addition to the non-firm sales described above, there
are other purchases and sales which Western makes. In wet years, Western has additional
energy and sometimes capacity for sale. In dry years, Western may have to purchase power to
meet its contract commitments. Even in years in which the energy is just sufficient to meet
contract commitments, Western may purchase thermal power off-peak so as to be able to
produce more power on-peak. Further studies should explicitly include these non-firm sales and
purchases by Western.
Power Rates and Repayment Revenues earned by Western are used to cover expenses and
to pay back project costs. Rates are set at a level consistent with repayment of allocated project
costs over a 50 year timeframe. Any changes in operation resulting in a change in marketable
resource and/or a change in non-firm sales and purchases will affect project revenues and,
therefore, have the potential to affect rates. We recommend that any further studies explicitly
incorporate impacts to rates and project repayment.
Small Systems. The use of power system simulation models is appropriate only for those
CRSP customers having generation resources of their own. The majority of CRSP customers do
not have generating facilities. For these small systems, there is often only one alternative power
source. However, the use of a power systems simulation model could provide information about
the potential alternative sources and costs for these small systems.
Contracts Versus Operations. Because of the potential importance of non-firm transaction
in the context of Glen Canyon Dam, we recommend that further studies use both CROD and
actual CRSP generation data to describe the impacts of a change in operations.

